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Abstract 
This paper reports on research sponsored by the U.S. Department of Energy (USDOE) to assess factors influencing enhanced gas 
recovery (EGR) and CO2 storage in selected gas shales in the Eastern USA [1]. The paper also summarizes work sponsored by the 
IEA Greenhouse Gas R&D Programme (IEAGHG), which builds upon the lessons learned regarding EGR and CO2 storage in the 
U.S., combined with a global assessment of shale gas potential [2], to develop a high-level estimate of the potential for EGR and CO2 
storage in gas shales globally [3]. 
In total, the four selected shale gas plays in the Eastern USA addressed in this assessment cover an area of 470,000 square kilometres 
(182,000 square miles). These shales may contain an estimated 170 trillion cubic meters (Tcm) (6,000 trillion cubic feet (Tcf)) of gas 
in place, and have a maximum theoretical storage capacity of over 600 billion metric tons (gigatonnes, Gt). Accounting for 
assumptions about the portion of the gas in-place in these shale plays that may be recoverable, and the portion of this recoverable 
resource that could be economic to produce using EGR techniques with CO2 injection, nearly 34 Tcm (1,200 Tcf) of EGR potential is 
estimated to be associated with the injection of CO2 into these shale gas plays. Of this, 13 Tcm (460 Tcf) could be economic to 
recover with reasonable gas prices and/or modest incentives.  This could facilitate the storage of nearly 50 Gt of CO2.   
Building upon this work, as well as an assessment by the U.S. Energy Information Administration (USEIA) that provides a “first-
order” view of the gas in-place and technically recoverable resource for 48 shale gas basins and 69 shale gas formations in 32 
countries, an estimate was developed of the global the potential for EGR and CO2 storage in gas shales [3]. An estimated 188 Tcm 
(6,600 Tcf) of shale gas resources are potentially technically recoverable globally (not including consideration of the potential EGR 
realized as a result of CO2 injection in shales). This could facilitate the potential storage of 740 Gt of CO2 in gas shales. Of this, as 
much as 71 Tcm (2,505 Tcf) could be economic to produce with EGR, and could facilitate the economic storage of 280 Gt of CO2. 
© 2013 The Authors. Published by Elsevier Ltd. 
Selection and peer-review under responsibility of GHGT. 
Keywords: CO2 storage; shales; storage capacity; enhanced gas recovery  
*Corresponding Author: Michael Godec. Tel.: 01-703-528-8420; fax: 01-703-528-0439 
E-mail address: mgodec@adv-res.com 
 
  
© 2014 The Authors. Published by Elsevier Ltd. This is an open access article under the CC BY-NC-ND license 
(http://creativecommons.org/licenses/by-nc-nd/3.0/).
Peer-review under responsibility of the Organizing Committee of GHGT-12
5850   Michael Godec et al. /  Energy Procedia  63 ( 2014 )  5849 – 5857 
1. Factors Influencing CO2 Storage and Enhanced Gas Recovery  
Building upon advances in horizontal drilling and hydraulic fracturing technologies, production of oil and gas from organic-rich 
shales has developed as a major hydrocarbon supply option in North America and around the world. What “changed the game” for 
facilitate this major expansion was the recognition that one could “create a permeable reservoir” by using intensively stimulated 
(hydraulically fractured) horizontal wells.  
Production of oil and natural gas from shale and tight oil formations is rapidly increasing, and new potential productive horizons are 
continually being identified.  Major expansions in oil and gas supplies from these sources, particularly shale formations, are 
occurring in a number of regions, including North America, Europe, Asia and Australia. The proliferation of activity into new shale 
plays has increased annual shale gas production in the U.S. from 11 billion cubic meters (Bcm) (0.39 trillion cubic feet (Tcf)) in 2000 
to 274 Bcm (9.7 Tcf) in 2012, now representing  over 40% of U.S. dry gas production. Similarly, production from shale/tight oil 
resources in the U.S. now amounts to over 2.5 million barrels per day, up from only 300,000 barrels per day just five year ago. 
Production of shale gas in the U.S. is expected to continue to increase, and constitute half of total U.S. natural gas production in 
2030, as projected in the latest Annual Energy Outlook of the U.S. Energy Information Administration (USEIA) [4]. Similarly, tight 
oil production is forecast to represent half of U.S. liquids production by 2030. The same advances that have facilitated this revolution 
in production from gas shales and tight oil – dense well spacing, horizontal drilling, and hydraulic fracturing – may help to facilitate 
enhanced gas recovery (EGR) and CO2 storage in shales.  
Methane is adsorbed on kerogen and clay mineral surfaces in organic-rich gas shales and coal seams.  In addition, “free” (non-
adsorbed) methane also exists in fracture porosity, intergranular microporosity, and micro-pores in the kerogen in these formations. It 
has been demonstrated in coal seams that CO2 can be preferentially adsorbed relative to methane. Gas shale reservoirs appear to 
behave similarly, and desorb methane while preferentially adsorbing CO2, Figure 1.  In addition, some portion of the pore volume 
that contains “free” gas is expected to be available for CO2 storage as non-adsorbed CO2, especially where previous hydraulic 
fracturing has enhanced injectivity 
 
 
Figure 1: Schematic of the Flow Dynamics of CO2 and CH4 in Gas Shales 
The potential storage of CO2 in organic-rich gas shales is attracting increasing interest, especially in Appalachian Basin states in the 
Eastern USA, that have extensive shale deposits, but limited CO2 storage capacity in conventional porous reservoirs. Although still in 
the conceptual stage, CO2 injection into organic-rich gas shales could provide dual benefits: an economic benefit from the 
incremental recovery of adsorbed methane, and an environmental benefit of secure CO2 storage. 
However, research on the potential for recovering methane and storing CO2 in gas shales is significantly less advanced than that for 
coal seams. Ongoing reservoir characterization and reservoir simulation work is demonstrating that the basic concept that shales can 
store CO2 based on trapping through adsorption on organic material (similar to coals), as well as with the natural fractures within the 
shales, is scientifically achievable. Still lacking, however, is sufficient testing of this concept with site-specific geologic and reservoir 
data and detailed reservoir simulation, verified by field tests, in a variety of gas shale settings [3]. 
The most prolific and promising gas shale formations for CO2 storage in the USA were selected as the focus for this assessment, 
including the Devonian Marcellus Shale in New York, Pennsylvania, West Virginia and eastern Ohio; the Devonian Ohio Shale in 
Kentucky; the Ordovician Utica and Point Pleasant shales and equivalent formations in New York, Pennsylvania, West Virginia and 
Ohio; and the late Devonian-age Antrim Shale in the Michigan Basin. 
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2. Methodology for Assessing CO2 Storage Potential in the Eastern USA Gas Shales  
The geological characterization of the Eastern USA gas shales in this assessment builds upon a considerable body of previous work 
by the U.S. Department of Energy, United States Geological Survey, state geological surveys, including the New York State 
Museum, as well as industry analyses [5-16].   
In brief, the methodology for assessing theoretical CO2 storage and EGR potential in gas shales consisted of the following steps: 
x Total organic carbon (TOC), porosity and water saturation was determined from digital well logs. 
x Matrix permeability was estimated from core data, where available,  and calculated log porosity 
x Adsorbed methane and CO2 volumes were estimated using Langmuir coefficients based on the available isotherm data and 
estimated temperature and pressure based on depth.   
x Estimated reservoir pressure was developed from published maps of reservoir pressure gradients, with known over-pressure and 
under-pressure areas incorporated into the analysis where possible. 
x ‘Free’ (non-adsorbed) gas in-place was estimated using a volumetric approach. 
x Theoretical maximum CO2 storage capacity as ‘free’ gas (non-adsorbed) was estimated assuming that all free gas is replaced by 
injected CO2.  
x Theoretical maximum adsorbed CO2 storage capacity was estimated assuming that adsorbed methane is completely displaced by 
injected CO2. 
The following basin-wide attributes were determined from digital logs wells: 
x Vertical thickness 
x Total organic carbon, TOC 
x Gamma-ray and/or density log ‘cut-off’ to estimate the organic-rich shale ‘pay’ zone for  adsorption of methane and CO2 
x Adsorbed methane gas in-place per unit area, and total adsorbed methane in-place per unit area, as well as theoretical maximum 
CO2 storage capacity by adsorption. 
x Density porosity (corrected for TOC content) 
Although numerous CO2 sorption measurements for coals under various conditions have been published, reports on CO2 sorption 
isotherms on shales at high pressures are sparse. Nuttall, et al. [9] investigated carbonaceous Devonian black gas shales from 
Kentucky and their corresponding CO2 storage and methane recovery potential. They found a direct positive correlation between CO2 
storage capacity and TOC, whereas no correlation with the clay mineral content was observed.  In addition, drill cuttings from the 
Kentucky Geological Survey (KGS) Well Sample and Core Library were sampled to develop CO2 adsorption isotherms.  
Methane gas in-place was estimated from petrophysical analyses of pubic well logs. Theoretical maximum CO2 storage capacity was 
estimated using limited number of CO2 isotherms. In addition, where available, public log data obtained from various state geological 
surveys was also used.  In general, digital log data (LAS) files were not available from public data sources for many wells, so the 
raster logs available for these wells were digitized. All study wells used contain at least a gamma ray log through the target shale 
formation, from which TOC can be extrapolated and adsorbed gas in-place estimated. This subset of wells was used for calculating 
free methane gas in-place and estimating maximum CO2 storage capacity as non-adsorbed (‘free’) CO2. 
From these data, effective (gas-filled) pore volume, (which assumes water saturation calculated, using a Simandoux algorithm [17], is 
immobile), ‘free’ (non-adsorbed) methane gas in-place, and theoretical maximum CO2 storage capacity as ‘free’ gas (non-adsorbed) 
was estimated.  The proportion of adsorbed methane and CO2 was estimated using Langmuir coefficients based on the available 
isotherm data and estimated temperature and pressure estimates based on depth.  Areas of apparent reservoir over-pressure and 
under-pressure were represented in the analysis by varying the assumed reservoir pressure gradient for each study well.  Examples of 
the isotherms assumed in this assessment are shown in Figure 2. 
3. Results from Assessment of EGR and CO2 Storage Potential in the Eastern USA Gas Shales  
In total, the Eastern gas shales considered in this assessment cover an area of nearly 470,000 square kilometres (182,000 square 
miles).  These shales contain an estimated 172 trillion cubic meters (Tcm) (6,000 trillion cubic feet (Tcf)) of gas in place, and have a 
maximum theoretical storage capacity of over 600 million metric tons.  These results are summarized in Table 1. 
Clearly, not all of the gas in-place in these for shale plays will be recoverable, and economics will further limit the portion of this gas 
in-place that will be economic to produce using EGR techniques with CO2 injection.  Thus, not all of the “maximum theoretical 
storage capacity” will be technically or economically accessible; as will the gas in-place be recoverable. Important, therefore, is a 
determination of what portion of this potential gas in-place is recoverable, and how much storage capacity is truly accessible that is 
associated with it.  
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Figure 2: Marcellus Methane and CO2 Adsorption Isotherms 
Table 1.  Estimated Total Gas in-Place and Theoretical Maximum CO2 Storage Capacity  
for the Eastern USA Gas Shales Considered 
  Total Area Total Gas in Place 
Maximum 
Theoretical Storage 
Capacity 
  Square Miles 
Square 
Kilometres
Bcf/Sq. 
Mile 
Trillion 
Cubic 
Feet 
Trillion 
Cubic 
Meters 
Trillion 
Cubic 
Feet 
Billion 
Metric 
Tons 
Marcellus Shale 41,274 106,900 31.5 1,300 37 3,356 171 
Utica Shale 57,913 149,995 62.5 3,620 103 6,426 340 
Antrim Shale 36,758 95,203 20.5 754 21 1,356 72 
Devonian Ohio Shale 45,844 118,736 8.6 394 11 393 21 
TOTAL 181,789 470,834   6,067 172 11,530 604 
 
Reservoir models were developed and simulations were conducted to characterize the potential for both CO2 storage and EGR for the 
target gas shale formations.  Input parameters were developed for reservoir modelling, assumed to represent those parameters for a 
“typical well” defined for each of the model areas considered in each of the basins assessed. Based on the reservoir models, reservoir 
simulations were performed using ARI’s proprietary COMET3TM reservoir simulator.* Where possible, history matching was done 
based on known production to “truth-test” the models to actual producing shale gas wells. 
Engineering costing and cash flow analyses were used to estimate economic potential based on natural gas prices and possible 
financial incentives such as CO2 emission reduction credits or carbon taxes.  
In each of the areas considered, the objective was to assume that EGR and CO2 storage activities would commence consistent with 
the historical development practices in the basin. In the relatively immature (in terms of development) Marcellus and Utica Shales, 
the standard well drilling practice is a horizontal well completed with multi-stage massive hydraulic fractures, assumed to be at 80 
acre spacing.  The Antrim Shale, in contrast, a more mature play, with a long history of development, with most of the older wells 
(the primary target for enhanced gas recovery with CO2 injection) drilled vertically, the simulations assumed vertically completed 
 
 
* www.adv-res.com/COMET3_reservoir_simulator_for_gas_shale_and_coalbed_methane_CBM_reservoirs.php  
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and stimulated wells, again drilled on 80-acre spacing. Relatively small (relative to today’s practice), single-stage hydraulic 
stimulations were assumed, consistent with traditional practices in the Antrim shale. 
For each area, several alternative CO2 injection/EGR scenarios were considered in the simulations, and were compared to situation 
where the “typical well” would produce without CO2 injection.  These simulations were conducted for each of the model areas in 
each shale gas play assessed.  The resulting key outputs were the estimated recovery per typical well (per 80 acre pattern), and the 
estimated CO2 that would be injected and remain in the reservoir (i.e., not produced), and thus ultimately assumed to be stored. 
Based on the estimated average methane production per “typical” well, estimates of the total technical recovery potential for each 
area represented by that well were developed.  Similarly, based on the estimated CO2 stored per well, estimates for the total CO2 
storage potential for each area represented by the “typical” wells were also developed.  Adjustments to this overall potential were 
made based on assumptions of the total number of potential well sites that would in fact be accessible in each area, and the portion of 
those well sites that would perform better than the “typical well.” 
The application of this approach concluded that nearly 34 Tcm (1,200 Tcf) of EGR potential is estimated to be associated with the 
injection of CO2 into the four selected shale gas plays, of which, 13 Tcm (460Tcf ) could be economic with reasonable gas prices 
and/or modest incentives.  This could facilitate the storage of nearly 50 Gt of CO2.  This is summarized in Table 2. 
Table 2: Estimates of Technical and Economic Methane Recovery and CO2 Storage Potential for the  
Eastern Gas Shales Assessed  
  
Technical EGR 
Production Potential 
"Economic" EGR 
Production Potential 
Technical 
CO2 Storage 
Potential 
"Economic" 
CO2 Storage 
Potential 
  
(Trillion 
Cubic 
Feet) 
(Trillion 
Cubic 
Meters) 
(Trillion 
Cubic 
Feet) 
(Trillion 
Cubic 
Meters) 
(Billion 
Metric Tons) 
(Billion Metric 
Tons) 
Marcellus Shale 849 24.06 348 9.86 49 39 
Utica Shale 344 9.75 104 2.95 10 8 
Antrim Shale 16 0.45 8 0.23 1 1 
Devonian Ohio 
Shale 0 0.00 n.e. n.e. 21 2 
TOTAL 1,209 34 460 13 80 50 
n.e. = not estimated 
 
4. Global Assessment of EGR and CO2 Storage Potential in Gas Shales  
For the purposes of this study, the U.S. Energy Information Administration (USEIA) assessment on worldwide shale gas resources 
was used as a foundation [2].  This assessment captures a “first-order” view of the gas in-place and technically recoverable resource 
for 48 shale gas basins and 69 shale gas formations in 32 countries. The assessment documents shale formation characteristics used to 
estimate methane gas-in-place. In addition to areal and depth extents, characteristics such as pressure, temperature, porosity, 
saturation levels, and thermal maturity were documented in the EIA report.  Because of the considerable volume of data used in these 
assessments, this information is not reported here, and readers are encouraged to review the USEIA report. 
The methodology for conducting the basin- and formation-level assessments of shale gas resources includes the steps summarized 
below. 
Preliminary Geologic and Reservoir Characterization of Shale Basins. The resource assessment begins with the compilation of data 
from multiple public and private sources to define the shale gas basins and to select the major shale gas formations to be assessed. 
Stratigraphic columns and well logs, showing the geologic age, the source rocks, and other data are used to select the major shale 
formations for further study.  Preliminary geological and reservoir data are assembled for each major shale formation, including 
depositional environment of shale (marine vs. non-marine), depth (to top and base of shale interval), structure, including major faults, 
gross shale interval, organically-rich gross and net shale thickness, total organic content (TOC, by weight), and thermal maturity 
(Ro). These geologic and reservoir properties are used to provide a first order overview of the geologic characteristics of the major 
shale gas formations and to help select the shale gas formations deemed worthy of more intensive assessment.  
Establish Areal Extent of Shale Formations. Having identified the major shale gas formations, the next step was to define the areal 
extent for each basin/formation included, based on the technical literature as well as detailed, local cross-sections identifying the 
shale gas formations of interest.  In addition, the study team drew on internal cross-sections previously prepared by Advanced 
Resources and, where necessary, assembled well data to construct new cross-sections. The regional cross-sections were used to 
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define the lateral extent of the shale formation in the basin and/or to identify the regional depth and gross interval of the shale 
formation. 
Define Prospective Area of Each Shale Formation. An important and challenging step was to establish the portions of the basin that 
were deemed to be prospective for development. The criteria used for establishing this prospective area included the depositional 
environment, depth, TOC, thermal maturity, and geographic location.  The prospective area was limited to the onshore portion of 
each shale gas basin. The prospective area contains the higher quality portion of the shale gas resource and, in general, covers less 
than half of the overall basin area.  Each prospective area was characterized to contain a series of shale gas quality areas, typically 
including a geologically favorable, high resource concentration “core area,” and a series of lower quality and lower resource 
concentration extension areas.  Further delineation of the prospective area was beyond the scope of this initial assessment.  
Estimate Risked Gas In-Place. Detailed geologic and reservoir data were assembled to establish the free as well as the adsorbed gas 
in-place (GIP) for the prospective area.  Adsorbed gas can be the dominant in-place resource for shallow and highly organically rich 
shales.  Free gas becomes the dominant in-place resource for deeper, higher clastic content shales. 
The calculation of free GIP for a given areal extent was governed, to a large extent, by four characteristics of the shale formation - - 
pressure, temperature, gas-filled porosity, and net organically-rich shale thickness. These were combined using established reservoir 
engineering equations and conversion factors to calculate free GIP per unit area.  In addition to free gas, shales can hold significant 
quantities of gas adsorbed on the surface of the organics (and clays) in the shale formation. A Langmuir isotherm was established for 
the prospective area of each basin using available data on TOC and on thermal maturity to establish the Langmuir volume (VL) and 
the Langmuir pressure (PL). 
Adsorbed GIP was then calculated using the formula below (where P is original reservoir pressure). 
GC = (VL * P) / (PL + P) 
The above gas content (GC) (typically measured as volume per unit mass) was converted to gas concentration (adsorbed GIP per unit 
area) using actual or typical values for shale density.  (Density values for shale are typically in the range of 2.65 to 2.8 grams per 
cubic centimeter (gm/cc) and depend on the mineralogy and organic content of the shale.) 
The estimates of the Langmuir value (VL) and pressure (PL) for adsorbed gas in-place calculations were based on either publically 
available data in the technical literature or data developed by Advanced Resources. 
The free and adsorbed GIP estimates were combined to provide an estimate of the resource concentration (on a volume per unit area 
basis) for the prospective area of each basin. 
Two specific judgmentally established success/risk factors were used to estimate risked GIP within the prospective area of each shale 
gas formation.  These two factors are a shale gas play success probability factor, that captures the likelihood that at least some 
significant portion of the shale gas formation will provide gas at attractive flow rates and become developed; and a prospective area 
success (risk) factor, which combines a series of concerns that could relegate a portion of the prospective area to be unsuccessful, 
unproductive, and/or inaccessible for gas production.  These two success/risk factors were combined to derive a single composite 
success factor to develop a risked estimate of the GIP for the prospective area. The history of shale gas exploration has shown that 
the success/risk factors, particularly the prospective area success/risk factor, change over time.  As exploration wells are drilled and 
the favorable shale gas reservoir settings and prospective areas are more fully established, revised assessments of the gas in-place 
often result. 
Estimate Technically Recoverable Resource. The technically recoverable resource was established by multiplying the risked GIP by 
a shale gas recovery factor, which incorporates a number of geological inputs and analogs appropriate to each shale gas basin and 
formation.  The recovery factor uses information on the mineralogy of the shale to determine its favorability for applying hydraulic 
fracturing to “shatter” the shale matrix.  The recovery factor also considers other information that would impact gas well 
productivity, such as: presence of favorable micro-scale natural fractures; the absence of unfavorable deep cutting faults; the state of 
stress (compressibility) for the shale formations in the prospective area; the relative volumes of free and adsorbed gas concentrations; 
and the reservoir pressure in the prospective area. 
Estimate CO2 Storage Potential in Shale Gas Basin. Unfortunately, isotherm data for CO2 in shales is limited.  However, in 
previous CO2 storage studies focusing on coal formations, isotherm tests of both methane and CO2 have been developed using 
formation core and drill cuttings.  The isotherms have repeatedly illustrated that CO2 tends to be preferentially adsorbed over 
methane in coals. For the purposes of this study, this preferential relationship in shale was assumed to be a ratio of 3 to 1.  That is, the 
shale formations in this study are assumed to preferentially store CO2 at three times the volume of the methane adsorbed.  This ratio 
is applied to the estimated technically recoverable resource in each shale play. 
Estimate Economically Recoverable Resource with EGR, with Associated CO2 Storage.  Based on the results for the Eastern U.S. 
gas shales discussed above, it was concluded that nearly 34 Tcm of EGR was estimated to be associated with the injection of CO2 
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into the four selected shale gas plays, of which, 13 Tcm (38% ) could be economic with reasonable gas prices and/or modest 
incentives.  This same economic recoverability proportion was applied to the global estimate of technically recoverable resource to 
come up with a high-level estimate of economically recoverable resources from the application of EGR in association with CO2 
injection. 
Summary of Results. All of the basin-specific assessments were combined to develop this global assessment of technically 
recoverable shale and potential CO2 storage capacity in gas shales. Resource characterization information was developed at the basin 
level for basins for which data was obtainable.  However, this was not possible in all basins; so a number of basins with potentially 
significant shale gas resources were not included in this assessment. 
These results are summarized by country in Table 3.  As shown, it is estimated that 188 Tcm of shale gas resources are potentially 
recoverable globally, and could facilitate the potential storage of 740 Gt of CO2. Of this, as much as 71 Tcm (2,505 Tcf) could be 
economic to produce with EGR, and could facilitate the economic storage of 281 Gt of CO2. 
Table 3: Summary of Recoverable Resources and CO2 Storage Potential  
of the World’s Gas Shale Basins, by Region 
 
 
The estimates presented here, along with other estimates reported earlier in this chapter, reflect only the CO2 storage capacity 
associated with the potential targeted shale formations. These shale formations often occur in association with sandstones, 
limestones, other shale formations, and other lithologies, and in many cases the targeted shale may not be the dominant rock type 
amenable to CO2 storage. Therefore, the storage capacity associated with the targeted shale formation is likely to be only a part of the 
storage capacity of an entire sediment unit. Injected CO2 could migrate (perhaps even preferentially) through sandstones, shales, 
and/or coal seams, as part of a geologic sequence in a given location.  This would imply that the storage potential in this region could 
be (perhaps substantially) larger than that just associated with the targeted gas shale formations.  
Region Country
Risked Gas In-
Place (Tcm)
Risked 
Technically 
Recoverable  
Potential (Tcm)
Risked 
Technically 
Achievable 
CO2 Storage 
Potential (Gt)
Risked 
Economically 
Recoverable 
Potential  
(Tcm)
Risked 
Economically 
Achievable CO2 
Storage 
Potential (Gt)
United States 93 24 134 9 51
Canada 42 11 43 4 16
Mexico 67 19 72 7 27
Sub-Total 202 55 249 21 95
Northern South America 3 1 3 0 1
Southern South America 126 34 119 13 45
Sub-Total 129 35 122 13 46
Poland 22 5 19 2 7
Eastern Europe 8 2 7 1 3
Western Europe 43 11 47 4 18
Sub-Total 73 18 72 7 27
Central North Africa 53 14 55 5 21
Morocco 8 2 6 1 2
South Africa 52 14 52 5 20
Sub-Total 112 30 113 11 43
China 145 36 132 14 50
India/Pakistan 14 3 11 1 4
Turkey 2 0 2 0 1
Sub-Total 160 40 144 15 55
Oceania Australia 39 11 39 4 15
717 188 740 71 281
Europe
 Africa
Asia
Grand Total
North America
South America
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5. Caveats and Recommended Next Steps  
It is recommended that efforts build upon these results to expand and focus reservoir characterization research in both gas and liquid-
rich shale settings to evaluate alternative development and optimization strategies for these reservoirs, encompassing, both “primary” 
and “enhanced” or “improved” recovery, and, also providing for the long term storage of CO2.  
However, much about the mechanisms and potential for storing CO2 and enhancing methane recovery in shales remains unknown. At 
field scale, only a few projects of any appreciable scale have been performed in coal seams, and none have yet been pursued in 
shales.  As a result, future research is necessary, and the results of this research could dramatically change the conclusions 
documented in this paper. Numerous sources of uncertainty are identified, and recommendations for further work to refine and 
expand this analysis are focused on reducing or eliminating these uncertainties by acquiring additional reservoir and engineering data 
to improve the reservoir characterization, and industry input to investigate hypothetical development scenarios.   
Specific areas of recommended further research include the following:  
x Obtaining additional isotherm data for all of the areas considered, and other shale plays, particularly CO2 isotherms. 
x Improve the representation of regional fracturing in the model characterization of reservoir permeability and porosity. This 
would incorporate the latest understanding of fracture density, fracture trends, fracture orientation, and in situ fracture widths. 
x Obtain sustained production data and reservoir test data to calibrate reservoir simulation results and improve model 
representation of reservoir permeability, and thus, associated production and CO2 injection and storage potential. 
x Further investigate potential limitations of reservoir depth on CO2 storage.   
Refining and expanding this analysis needs to focus on reducing or eliminating these uncertainties, acquiring additional reservoir and 
engineering data to improve the reservoir characterization, and incorporating industry input on possible development scenarios. 
At field scale, only a few projects of any appreciable scale have been performed in coal seams, and none have yet been pursued in 
shales.   
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